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Abstract
Injection of CO2 in saline aquifers is considered as one of the best strategies for the
reduction of greenhouse gases. In order to select a potential saline aquifer storage site
for carbon sequestration, many parameters are considered such as relative permeability,
thickness, compressibility, porosity, salinity and well interference. These are significant be-
cause they affect the CO2 storage capacity of the reservoir. The one of the most important
criteria to be considered during sequestration is the pressure profile inside the reservoir
as the sequestered CO2 increases the pressure within the saline formation over time. In
order to maintain the integrity of the reservoir, the reservoir pressure is always maintained
below the fracture pressure. Thus, modeling of pressure profile is essential as it controls
the maximum amount of CO2 which can be into the reservoir. There are various analytical
and numerical models to determine the bottom-hole pressure for CO2 injection.
The main objective of my thesis is to examine and identify the analytical approaches
in modeling of pressure profile during CO2 injection. It includes single injection as well as
multiple wells injection scenarios. The second case is much more important from practical
point of view and applicability of analytical tools should be validated. Two models of injec-
tion/production are considered: (i) Single-phase (brine production from a brine reservoir)
and (ii) Two phase model (CO2 injection in a brine reservoir). In both cases, we analyzed
the pressure build-up and discussed the results in comparison with numerical simulations.
We also present a sensitivity analysis of the reservoir parameters on CO2 sequestration.
The second part of the thesis focuses on finding ways to increase the CO2 injection
capacity of saline aquifers by using the technique of multiple wells injection strategy. Nu-
merous test cases will be presented to optimize the well placement and number of wells to
get the maximum sequestration. The thesis will look upon the different ways to maintain
the reservoir pressure below fracture pressure such as optimization of injection wells, vary-
ing the flow-rates of injection wells and by placement of relief wells to produce brine from
the reservoir.
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Chapter 1
Introduction
It is widely accepted that emissions from fossil fuels for electricity production and in-
dustrial processes are one of the major contributors to global warming. These emissions
greatly increase the concentration of greenhouse gases (GHG) in the atmosphere. The most
significant of these GHGs which affect the environment are CO2, CH4, N2O, hydrofluoro-
carbons and SF6. Among this gases, CO2 is considered as one of the most prevalent GHG
in the atmosphere. According to the 2010 assessment report by the Intergovernmental
Panel on Climate Change (IPCC), the observed global warming over last 50 years is due
to the rise in atmospheric concentration of CO2. If no serious action is taken, the concen-
tration of CO2 will reach to about 500ppm within next 50 years with an annual increase
rate of about 2ppm [1,2]. The average global temperature has increased from 0.6 ± 0.2 ◦C
since the nineteen century and it is predicted to increase by 1.4 to 5.8 ◦C by 2100 as shown
in Figure 1.1. There are various drastic effects of global warming such as rise in sea levels,
increased frequency of floods and droughts and climate perturbations.
As the world population is growing so is the global energy demand. According to
the IPCC report in 2010 [1], it is estimated that the global energy demand will increase by
about 35% from 2010 to 2040. Thus, to meet this rise in demand, we will need a diverse,
reliable and affordable fuel mix so as to enable the economic growth and societal advance-
ments. Fossil fuels like oil, natural gas and coal will remain dominant energy resource
for the next decades and will continue to attract large fraction of global energy demand
i .e. about 80% of total global energy by 2040. Thus, there is a need for development of
energy efficient technologies with low or no CO2 footprint so as to mitigate the rise in CO2
concentration into the atmosphere. Now, the question is whether these energy efficient
technologies will emit less or no CO2? Today, all the CO2 emissions resulted due to the
combustion of fossil fuels is emitted into the atmosphere and we have been doing this since
1
Figure 1.1: [1] Recorded Global temperature according to IPCC report.
50 years because we believed it was not harmful. There have been many technologies im-
plemented to treat various other emissions as cited in [2] such as how a sewage treatment
plants are used to remove pathogens from lakes and also how SF6 and N2O are removed
from power plants and industrial process. However, there has been big challenge to reduce
CO2 emissions from fossil fuel combustion at low cost. There are many technologies to
reduce the CO2 emissions into the atmosphere such as energy decarbonization, increasing
renewable and nuclear energy generation, enhancing carbon sinks and Carbon Capture and
Storage (CCS).
Carbon Capture and Storage (CCS) is considered to be one of the promising option
for reducing CO2 emissions from power and industrial sectors. It is considered as an
emerging transition technology which provides a solution for a long-term storage of CO2.
CCS is the process in which CO2 is captured from the emission source, transported it
to a storage location and stored underground that ensures long-term isolation from the
atmosphere. The main aim in CCS is to allow the use of fossil fuels while reducing CO2
emissions, thereby mitigating climate change as shown in Figure 1.2. According to IPCC
2010 report [1], it was reported that power plant with CCS could reduce CO2 emissions
by 80-90% when compared to power plants without CCS.
Geological sequestration is considered as a viable and an acceptable option for CO2
storage because of their availability, high storage capacity and the ability to lock down CO2
2
Figure 1.2: [3] Options of CCS.
permanently back into the ground. There are number of ways to sequester in geological
structures and their detailed description are presented in the Section 2:
 Depleted Oil & Gas Reservoirs,
 Depleted Coal Seams,
 Deep Underground Aquifers,
 Deep Ocean Sequestration.
Among the sequestration options mentioned above, this thesis restricts it analysis and
discussion to CO2 storage in deep water (brine) formations (aquifers or saline aquifers).
CO2 storage in aquifers has drawn in a lot of attention recently due to high storage capacity,
confinement and injectivity. Sequestration in geological formations has less environmental
problems when compared to ocean sequestration, the latter leading to ocean acidification.
Thus, CO2 sequestration in aquifer is safely undertaken and practiced. In order to make
carbon sequestration in saline formations a viable option to tackle climate change, we
should be able to sequester large quantities of CO2 on a scale of billion of metric tons
(Gigaton) per year. Presently, all the four major CCS projects are injecting at the rate of
1 Megaton (Mt) per year (Table 1.1). Recent report [1] have suggested that deep saline
formation have a storage capacity of around 2000 Gigatons of CO2 which are two orders of
magnitude higher than the total worldwide emissions, making it practical potential storage
option.
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Project Leader Location CO2 Sink
Sleipner (1996) Statoil North Sea, Norway Saline formation
Weyburn (2000) Pan Canadian Saskatchewan, Canada Enhanced Oil Recovery
In Salah (2004) British Petroleum Algeria Gas Reservoir
Snohvit (2008) Statoil Barents Sea, Norway Saline formation
Table 1.1: [3] Major CCS Projects in Operation.
One of our main purposes is to examine options in maximizing storage capacity of
the reservoir. And here we are talking about injection capacity: how much can be injected
within a short period of time (50 years and within limited injection area). Injection capacity
could be much lower than one defined by available pore space. To fill the pore space,
substantial time is needed to avoid reaching fracture pressure. It becomes very important
when large volume is to be injected (scales of 10 Mt/year, which is order of magnitude
higher than currently achieved in the projects mentioned above). In order to maintain
the integrity of the reservoir, it is really important to understand how much a reservoir
can store CO2 so as to prevent the reservoir from getting over pressure. In addition, it is
also important to know the properties of saline formations such as the effect of injected
CO2 to the flow of brine in the reservoir. For this purpose, there should be some tool
for monitoring the reservoir behavior during the sequestration process. With the use of
monitoring, it is easy to characterize the brine displaced by CO2 and also the pressure
build-up during storage process. There are different approaches for how to monitor the
pressure build-up inside the saline formations such as analytical modeling and numerical
simulations [4].
1.1 Aim of Thesis
This thesis aims to analyze and compare different analytical models for predicting the
pressure profile in the saline formations for single injection well scenario. Then to develop
analytical (or semi-analytical) models for predicting the pressure evolution for multiple well
injection scenarios. Although numerical modeling is commonly used by reservoir engineers
to predict the pressure distribution during CO2 sequestration in saline formations, these
numerical simulations can be very complicated during the preliminary process of reservoir
evaluation as they require a large amount of data and time to produce results. Analytical
model on the other hand is simplified and easy to use as it considers generic assumptions
like simplified geometry, homogeneous and isotropic porous medium and do not require
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spatial discretisation. They provide an abridged means for conducting preliminary test
for screening of potential CO2 storage sites. Thus, the thesis provides the new analytical
approach for predicting the pressure profile for CO2 sequestration in saline formations for
multiple well scenarios. The thesis also provides examples to demonstrate how proposed
multiwell injectivity analytical model can be used in reservoir for designing of CO2 storage
in saline aquifer.
The other dominant theme for various recent researches is to increase the storage
capacity of potential CO2 saline formations storage sites. The typical benchmark for the
rate of CO2 injection is only about 1 Mt/year which is very low compared to the scale
necessary for the CCS to have a significant role in managing global emissions. In this
study, we perform simulations for a large volume of continuous injection using multiple
well injection scenario, for a period of 50 years resulting in a high total sequestration of
more than 1 Gt CO2. This thesis looks at various ways to increase the storage capacity
of CO2 in saline formations by looking at parameters like optimizing wells placement,
varying injection cyclic time, flow-rate, number of wells and having relief wells to release
the pressure in the reservoir by producing brine.
1.2 Organization of Thesis
This thesis mainly addresses the ways to increase the sequestration capacity of various
saline aquifers for CO2 sequestration. First, we examine various analytical models used to
determine the pressure profile during CO2 injection well in a saline aquifer. In the second
part, we focus on how relative permeability affects the pressure profile and various method-
ologies used for estimating the saturation fronts for two-phase flow. This part includes the
validation of modeling. The third part is optimization of injection and production wells to
increase the injectivity of the storage site to further maximize the sequestration capacity
to store large amount of CO2 in saline formations. The thesis is organized as follows:
In chapter 1, we provide the necessary preliminaries and background. In chapter 2,
we introduce various geological storage options for CO2 sequestration. We also discuss
about its leakage and trapping mechanisms. In chapter 3, we introduce various analytical
models used for determining the pressure build-up for single well injection. We select a
model, validate it and then apply it for multiple well scenarios. In chapter 4, we discuss
optimization process to maximize the injection capacity by varying number of wells, flow-
rate and placement of brine production well. Finally in chapter 5, we summarize our work
and present conclusions. In addition, there are some suggestions for future work.
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Chapter 2
Literature Review
2.1 Carbon Capture and Storage
It has been widely accepted fact that CO2 emissions into the atmosphere as the major
contribution to global warming. Primarily, the main cause of all this CO2 emissions are
due to the combustion of fossil fuels, emissions from cement industries, oil refineries and
integrated steel mills. According to the IPCC report [1], the current concentration of CO2
into the atmosphere is about 385ppm, which is more than 35% compared to preindustrial
level. Thus, to reduce CO2 emissions and minimization of long term climate change,
various serious measures are taken. One such measure is Carbon Capture and Storage
(CCS). CCS is considered to be one of the most promising technology for the reduction of
CO2 emissions into the atmosphere.
CCS is the process in which CO2 is first separated at the emission source which is
termed as Carbon Capture; then it is compressed and transported through pipelines to
the storage site where it is finally injected into geological formations which is termed as
Geological Carbon Sequestration. The steps involved in CCS is illustrated as below:
 Capture of CO2: The pathway for capture of CO2 originates from three main
sources such as industrial processes, power plants and carbon-rich feed stocks. CO2
capture from this sources can be performed in three processes: Post-Combustion
process, Pre-Combustion process and Oxy-Combustion process. There are number
of options for separating CO2 from flue gases such as solvent scrubbing, condensation,
membrane technology, absorption and adsorption.
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 Transport of CO2: The captured CO2 is transported to a storage site via pipelines,
tanker trucks or ships. Pipelines is considered to be cost-effective and reliable method
for transportation. However, several billion tons of CO2 has been transported via
pipelines and mostly it is transported to enhanced oil recovery (EOR) fields. Ships
are also considered viable option particularly when CO2 has to be moved to overseas.
 Storage of CO2: CO2 sequestration is termed as long time storage which helps in
the reduction of CO2 emissions. The main principle behind storage is it should be
safe and less environment effects. The detailed description about carbon storage are
presented in Section 2.2.
2.2 Geological Carbon Storage
Once capture and transport process is carried out as described in previous Section 2.1,
CO2 should be stored for a long time so that it does not leak to the atmosphere. For a
good geological storage, a reservoir should have good porosity, permeability, thickness and
an impermeable cap rock which prevents the CO2 from escaping. There are a number of
geological reservoir options for storage of CO2 such as storing CO2 in a geological structures
and oceans. The worldwide capacity for various sequestration options is illustrated in the
Table 2.1.
Sequestration Options Worldwide Capacity (Gigatons of Carbon GtC)
Ocean Storage 1000
Depleted Oil and Gas Reservoirs 100
Coal seams 10-100
Deep Saline Formations 100-11000
Terrestrial 10
Table 2.1: [5, 6] The worldwide capacity of potential CO2 storage reservoirs.
Ocean storage is considered as one of the largest stores of CO2. Injection of CO2
in the ocean has been studied for the past three decades and it was widely considered by
engineers in the late 1970s. CO2 can be easily stored deep inside the ocean or deposited
on sea floors when the supercritical CO2 is much denser than water. It was estimated in
[7] that the sink capacity for ocean storage is approximately 5000-10000 Pg C (Petagram).
There are some good reasons why mineral sediments appear to offer high storage capacity.
For example, cretaceous sandstone, an marine sediment was found to handle hundred
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billions tons capacity for storage of CO2 [8]. However, IPCC [1] argued that there are
severe risks associated with oceanic storage such as acidification of sea water which affects
the oceanic environment and marine life. Thus, the risks associated with ocean storage is
predicted to be greater than geologic storage. Therefore, carbon sequestration in geological
reservoirs is considered as the one of the most viable option.
Figure 2.1: [1] An overview of geological storage options.
In 1977 Marchetti first proposed [9] geological storage of CO2 as a mitigation option
for eliminating CO2 emissions. During the first international conference on CO2 removal in
Amsterdam (1992) [10,11], various geological storage options were explored such as storage
in saline aquifers, depleted oil and gas reservoirs and combination of enhanced oil recovery
(EOR) with CO2 storage. The various geological options for CO2 storage are illustrated in
Figure 2.1. Sequestration of CO2 inside sedimentary rocks are widely distributed around
the world. For example, it was estimated in [8] that the storage capacity in geological
formations were around 2020 - 14,220 Gigatons of CO2 in USA. According to the Joule II
project [12], depleted oil and gas reservoirs are considered as a viable option for storage of
CO2 because CO2 injected acts as a solvent and it mobilizes the trapped oil to increase the
oil production. During this process, CO2 is trapped inside for million of years due to the
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structural trap which prevents the sequestered CO2 from escaping out. However, extraction
of oil and gas compromises the integrity of this structural trap and causes fractures [13].
CO2 leakage, significant pressure change and limited storage capacity knocks out depleted
oil and gas reservoirs as an storage option. CO2 storage in saline formations appears to be
a viable and promising option due to high storage capacity and its availability. Therefore,
this thesis focuses on modeling and optimization of injecting large volume of CO2 in saline
formations.
2.3 Carbon Sequestration in saline aquifers
Saline aquifers are sedimentary formations consisting of water permeable rock saturated
with salt water, called brine. Various studies [1] have shown that saline aquifers are consid-
ered to have the highest potential to store CO2 globally compared to other storage options
such as depleted oil & gas reservoirs and coal seams. The onshore capacity for CO2 seques-
tration in saline formations is often quoted as ”very large” around 1000 to 11,000 Gigatons
of CO2 as seen in the Table 2.1. According to the International Energy Agency (IEA)
report [14], saline aquifers can store approximately ten trillion tones of CO2 throughout
the world which is equivalent to more than ten times the total emissions estimated for
next 30 years. Therefore, more attention has been given to carbon sequestration in saline
aquifers.
2.3.1 Carbon Sequestration Projects Worldwide
Table 2.2 shows the list of projects which are operational and have injected CO2 in saline
formations. According to the Global CCS Institute [15], there are 22 CCS projects around
the globe. The total capture capacity of these projects are around 40 million tonnes per
annum. North America has the largest number of CCS projects in the world in which US
has 16 CCS projects which are operational and under construction. It was approximated
in [16], 15 Mt of CO2 has been injected worldwide in saline formations at the end of 2007.
Particularly, Sleiper, Snohvit and In Salah projects have injected CO2 at a commercial
scale in the order of 1 Mt of CO2 in saline formations.
The first commercial success through the use of CO2 sequestration was Sleipner
Project which started in 1996. The Sleipner project operated by Statoil has been able to
sequester about 1 Mt of CO2 annually. This project is expected to sequester about 20 Mt
of CO2 which is equivalent to 3 percent of Norway’s total annual CO2 emissions. The In
9
Project Location Status Capacity (kt)
Sleiper Sleipner Injection Underway 20000
North Sea
In Salah Krechba Injection Underway 17000
Algeria
Nagaoka Nagaoka City Completed 10.4
Japan
Ketzin Ketzin Injection Underway 60
Germany
Snohvit NW of Hammerfest Injection Underway 23000
Barents Sea
Alberta Basin Alberta Injection Underway
(Acid gas) Canada
MGSC Decatur Illinois Planned 1000
USA
Frio Texas Monitoring Underway 1.6
USA
MRCSP-Cincinnati Kentucky Planned 3
Arch USA
MRCSP-Michigan Michigan Monitoring Underway 10241
basin USA
MRCSP-Apapalachian Ohio Work Underway 3
Basin USA
WESTCARB Rosetta-Calpine California Planned 2
saline USA
WESTCARB Salt Arizona Planned 2
river USA
Gorgon Barrow Island WA Planned 129000
Australia
SECARB Mississippi Mississippi Completed 2.75
USA
SECARB Early Cranfield, Mississippi Injection Underway 1500
USA
Table 2.2: [16,17] CO2 Sequestration projects around the world.
Salah CO2 Storage Project is CCS project started in 2004 and has been able to store 3.8
Mt of CO2. However, injection was suspended in 2011 due to concerns about the integrity
of seal. The estimated sequestration capacity was 17 Mt of CO2. The Snohvit Project is
also an CCS project started in 2008 and CO2 is injected into 100 meters Tubaen Formation
at a depth 2600-2700 meters. This project has been able to sequester 3 Mt of CO2 and it
is expected to sequester 23 Mt of CO2.
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2.4 CO2 subsurface Behavior and Trapping Mecha-
nisms
During the sequestration of CO2 in saline aquifers, injected CO2 exists in dense phase as
a supercritical fluid so as to decrease the storage volume. The critical pressure and critical
temperature for CO2 is Pc=73.82 bar and Tc=31.04
0C respectively. This supercritical phase
is attained when injected at a depth of 800 meters or deeper. The CO2 density ranges from
500 - 700 kg/m3 and viscosity from 3.95×10−5 - 7.11×10−5 Pa.s depending upon the range
of conditions such as pressure and temperature inside the aquifers. Supercritical CO2 is
less dense and less viscous than the resident brine under all shallow marine and continental
storage conditions [18]. As CO2 is in supercritical phase, the density of CO2 is high which is
desirable characteristics for storage. The decreased density difference between supercritical
CO2 and brine makes the geological storage more secure.
As injected CO2 is less dense, it will rise to the top of the formation due to buoyancy
forces. However, this is considered as an unfavorable condition during CO2 sequestration
in [19] because it leads to possibility of leakage of CO2. If CO2 escapes upwards, there
is the potential for CO2 to contaminate other geological formations and resources such
as groundwater or drinking water. Thus, adequate measures are taken to evaluate the
long-term storage potential in saline aquifers.
In saline aquifers, storage security is increased by various physical and chemical
mechanisms mainly trapping mechanisms as seen in Figure 2.2. This mechanisms help
to reduce the possibility of leakage and increase storage capacity over time. The various
pathways for injected CO2 leakage is through the pore system in low-permeability caprocks;
anthropogenic pathways such as abandoned or pre-existing wells and; pore system in high-
permeability caprock such as fractures or faults [1]. CO2 leakage through abandoned wells
or existing wells have the highest potential to act as a leakage conduit in CO2 sequestration.
However, there are large uncertainties about the properties of existing wells as mentioned
in [20]. Thus, this pose an significant challenge for estimating leakage through wells. To
reduce this leakage problem, new models need to be developed to resolve the problem of
CO2 leakage in saline formations.
Once CO2 is injected into the subsurface, there is pressure variation near the wellbore
region allowing CO2 to enter pore spaces and causing physical and chemical mechanisms.
Trapping mechanisms are discussed briefly in saline aquifers because this mechanism in-
fluences the physical state, mobility and area of extent of CO2 plume. CO2 sequestration
in saline aquifers involves storage mechanisms [21] such as:
 Solubility trapping through dissolution in the formation water;
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Figure 2.2: [1] Trapping contribution of the four mechanisms as a function of time.
 Hydrodynamic trapping of CO2 plume;
 Structural and/or Stratigraphic trapping along the flow pathway;
 Mineral trapping through geochemical reactions within rocks and aquifer fluids
Thus, the capacity of CO2 storage in saline aquifer can be considered for dissolved
phase CO2 in formation water and free-phase CO2 in the pore space. The four main
trapping mechanisms proposed to secure long term CO2 storage are discussed below:
 Structural and Stratigraphic Trapping: Structural and Stratigraphic trapping
mechanism is considered to be the primary mechanism during injection stage because
it acts quickly and is responsible for trapping maximum amount of in situ CO2
during early stage of injection. This mechanism uses the low permeable layer to form
a barrier for CO2 plume and the plume gets trapped due to this mechanism [22].
However, it is problematic when there is a possibility of top seal leaking through
which the CO2 could escape to the atmosphere.
 Residual Trapping: When the CO2 plume is migrating, it gets trapped inside the
interstitial pore space of rock formations and porous rock acting like a rigid sponge.
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Over long period of time, this residually trapped CO2 dissolves in the formation brine
and helps to store CO2 easily.
 Solubility Trapping: CO2 injected into a saline aquifer, dissolves to a certain
amount with brine. This mechanism takes long time and it is dependent upon tem-
perature, pressure and salinity. When CO2 is injected, CO2 is considered as solute
and Brine as a solvent. The solute increases brine density; as a result CO2-brine will
sink to the bottom of the rock formation, trapping CO2 even more securely.
 Mineral Trapping: Mineral trapping is considered to the most secure mechanism
where CO2 reacts with soil minerals and forms a chemical compound. Once com-
pounds are formed, in situ CO2 can be considered to be sequestered with security.
However, this mechanism will take several billion years making mineral trapping
mechanism least important.
2.5 CO2 Storage Capacity
CO2 storage capacity is the amount of CO2 that can be stored in the reservoir. However,
estimation of storage capacity in saline formation is a complex and not a straightforward
method. This is because the term ”capacity” can imply two things either apparent or
realistic. The apparent storage capacity is the amount of available pore space to store CO2
in the aquifer whereas realistic storage capacity is the amount of CO2 that can be injected
into the aquifer safely which is the injection capacity of the reservoir. It is a function of
number of wells, fracture pressure and their injection rates [24]. There are several factors
affecting the storage capacity as cited in [23] such as pore volume of the reservoir, relative
permeability, reservoir depth, salinity, heterogeneity and injection well. Although there
have been many research carried out to make simple estimation of storage capacity at
global scale, their attempts has been unsuccessful as shown by widely conflicting results
in Figure 2.3. Bradshaw et al. [22] suggested that the best way to estimate the storage
capacity is by the construction of a geological model and use of that information during
reservoir modeling. There are many analytical models that look into defining the storage
capacity of a potential CO2 storage site. According to the Zhou et al. [25], injecting CO2
causes pressurization of the reservoir which leads to expanded pore space. The injected
CO2 is trapped in these pore spaces. Other researches have proposed various criteria for
long term storage of CO2 in saline aquifers as mentioned in [11] such as :
 An aquifer should possess high porosity;
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 A rock should possess high permeability in the range of 0.05-0.1µm2 depending upon
the depth;
 An aquifer depth should be located atleast at 800m so that CO2 is in supercritical
state;
 An impermeable caprock should be at the top of aquifer.
Figure 2.3: [22] Various estimates for CO2 storage capacity around the world. Note there
are world estimates (a) that are smaller than some more robust regional estimates (b).
As mentioned previously even though reservoir has volume to store it is not clear
how to fill this volume, so injection capacity should be considered which is controlled by
pressure build up. The amount of CO2 that can be injected and stored into a reservoir
is often pressure limited. It is important to avoid exceeding the fracture pressure in the
reservoir. Formation fracture pressure is essential because the condensed gas increases the
pressure within the saline formation over time and should not exceed the fracture pressure.
Thus, modeling of reservoir pressure evolution is essential.
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2.6 Summary
In this chapter we gave an introduction to geological carbon sequestration in Section
2.2 by going over the various storage options. We went through various carbon sequestra-
tion projects in saline formations in Section 2.3. In Section 2.4 we commented on CO2
behavior and also discussed various trapping mechanisms in saline formations. Thus, we
are interested in determining the simplified approaches for determining the pressure profile
during injection process. Another area of interest is optimizing the location for injection
wells and reducing the reservoir pressure with the placement of brine production well.
However, there are many parameters which affect the injectivity of CO2 and production of
brine such as relative permeability, thickness, compressibility and well interference. The
following chapters present many analytical models considered to calculate the pressure
profile during CO2 injection. It also focuses on single and multiple well scenarios in single
phase and two-phase region accounting for all above mentioned important parameters such
as permeability, solubility, well interference, leaving a window of opportunity for further
development.
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Chapter 3
Modeling of pressure profile for a
CO2 injection well
Modeling of CO2 during sequestration in saline formations is an important step to predict
the storage capacity of a potential CO2 storage site. Modeling of pressure profile helps in
predicting the behavior of CO2 before and after injection in a reservoir and also pressure
build-up in the saline reservoir. Thus, there should be some tool to determine the pressure
build-up and CO2 behavior inside the well. Therefore, there are various analytical and
numerical models proposed to determine the pressure build-up for CO2 injection. This
models helps in assessing the injectivity and the pressure profile during injection.
In this chapter, analytical models to predict the pressure build-up for multiple well
scenarios are presented for CO2 injection in a saline formation. Solutions are first de-
veloped for single well, validated using numerical simulations and then used for multiple
well scenarios. The models are applied for infinite-acting homogeneous isotropic reservoir.
In addition, investigation was also conducted to study how various parameters like gas
saturation and relative permeability of the reservoir affect the injectivity.
3.1 Numerical Modeling
A wide range of reservoir simulators are available around the world which are capable
of simulating CO2 injection projects. The various examples of existing numerical simu-
lators are listed in [26] TOUGH2 , STOMP , STARS , ROCKFLOW , GEM , ECLIPSE ,
COORES , FLOTRAN , IPARS − CO2 , NUFT , DuMux and FEHM . However, to store
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large volume of CO2, a relatively higher number of wells and optimization of placement
is needed. These numerical simulators can be very time-consuming and need a lot of
information.
One way of calibrating higher number of wells (multiple well cases) is to use analytical
modeling to a more simplified physical problem. Therefore, there is research carried out to
develop analytical and semi-analytical model for CO2 injection in saline formations which
is discussed briefly in Section 3.2. We used CMG′s commercial black oil simulator, IMEX
for just validating our analytical model.
3.2 Analytical Modeling
Analytical models have been widely used by reservoir engineers as a fast and efficient
means for determining the pressure build-up inside the reservoir beforehand. These ana-
lytical models are viable and easy tool in determining well operations like gas injection,
brine production, well simulation and gas hydrate production [27]. Analytical models are
also used for well test analysis in the reservoir engineering. From [28], it can be seen that
well test analysis helps to determine the average reservoir pressure, verifying skin effect,
permeability and also for identifying the fluid behavior inside the reservoir. Analytical
models are based on simple assumptions like simple geometry of flow, homogeneous and
isotropic reservoir which do not require spatial discretisation. Recently, Nordbotten et al.
[29, 30] argued that analytical models are simple, easy methods to provide estimates of
environmental and hydrologic consequences for CO2 injection. Person et al. [31] suggested
that the analytical models help to capture the relevant physics behind CO2 injection with-
out relying on numerical modeling. Thus, there are various analytical models proposed and
adjusted to determine the pressure build-up during CO2 injection in saline formations. The
description of various analytical model are discussed in the next Section 3.3.
3.3 Modeling CO2 injection (Two Phase flow)
3.3.1 Single Well Scenarios
Quite recently, various analytical and semi-analytical models for single well injection
have been developed for CO2 injection as multi-phase flow in saline formations. When
CO2 is injected in a saline aquifer, CO2 flows as a single phase flow surrounded by a two
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phase region where the saturation varies from 100% CO2 to 100% brine. All these models
assume Buckley-Leverett displacement theory (BL) [32]. BL displacement method [33]
describes two phase flow as one dimensional immiscible flow.
Nordbotten et al. [34] built an analytical solution to describe the space-time evolution
of CO2 plume. The model extends the underlying philosophy of one dimensional radial
form of the BL theory. In this model, the residual saturation of CO2 is set to unity and
phase viscosities are kept constant. The phase saturation and fluid viscosities are assumed
constant. This model helps in estimating the spread of CO2 plume which gives us an idea
of extent of CO2 plume, thereby avoiding any chances of possible leakages. The model
predicts a quick estimate of the CO2 plume during the lifetime of operation. The pressure
build-up for two-phase region at the injection well is given by
P (rwell, t) = Pi− q
2piλwk
∫ R
r
1
r((λ− 1)b(r) + B) dr, (3.1)
where λw is brine mobility, b denotes the thickness of CO2 plume and B denotes the
thickness of the formation.
Zhou et al. [25] developed a similar analytical model for CO2 sequestration in closed
and semi-closed saline formations in open systems. The model helps in predicting the
pressure build-up and also its storage efficiency factor during CO2 injection. The underly-
ing assumption for this analysis is that pressure build-up is uniform and it is independent
of formation permeability. This model is not considered, as on doing initial sensitivity
analysis we found that the reservoir pressure build-up is very sensitive to formation perme-
ability. Recently, Burton et al. [35] developed a simple one dimensional analytical model
for CO2 injection in terms of phase mobility and the speed of the saturation fronts. This
model was derived by using Darcy law and modified form of BL fractional flow theory.
They followed the modified form of BL fractional flow theory to determine the position of
saturation fronts in two phase region. The speed of saturation fronts defines three regions
of flow: dry CO2 in the near-wellbore region, BL or two phase region and Brine region far
from the well. The model ignored the effect of compressibility. The model estimates the
phase mobilities in each region from the relative permeability curve. The total pressure
drop across the reservoir is given by
Pw = Pi+
q
2pikh
[
µg
krg
ln
(rdry
rw
)
+
(krg
µg
+
krw
µw
)−1
|Sg=Savg ln
(rBL
rdry
)
+ µw ln
( re
rBL
)]
,
(3.2)
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where rBL, rdry denotes the radial front in BL and CO2 region respectively. In order
to move ahead with this model we need to calculate the value of the radial fronts rBL and
rdry which is difficult to estimate.
Mathias et al. [32] developed an analytical and semi-analytical model to determine
pressure build-up for CO2 injection which is a similar approach proposed by Nordbotten
et al. [34]. This model develops approximate solutions for pressure build-up inside the
reservoir on CO2 injection using the method of matched asymptotic expansions including
the effect of compressibility. Recently, Mathias et al. [36] also developed an analytical
model to determine the approximate solutions for pressure build-up of finite radial extent.
They developed analytical model in saline formations using the large-time approximation
method for estimation of maximum pressure build-up. Mathias et al. [37] showed that the
pressure build-up at the injection well can be approximated by
Pw = P0
[
− 1
2
ln
( t0
2γt
)
− 1 + 1
γ
− 1
2γ
[ln
( α
2γ2
)
+ 0.5772] + β)
]
, (3.3)
where β denotes dimensionless Forchheimer parameter, γ denotes viscosity ratio and α
denotes dimensionless compressibility. However, this model is very complex and requires
a lot of dimensionless parameter estimation.
Ehlig-Economides and Economides [38] further extended the analytical model devel-
oped by Burton et al. [35] based on the modified BL fractional flow theory. This model
follows BL theory to predict the relative permeability values in the two phase region at
the average CO2 saturation. This model accounts for closed boundary reservoir formation
by applying factor 0.472 in the last natural logarithm term in Equation 3.4. It also takes
into account the effect of volume on the reservoir and compressibility effect to attain CO2
injection. The total pressure distribution is given by
Pw = Pi+
q
2pikh
[
µg
krg
ln
(rdry
rw
)
+
(krg
µg
+
krw
µw
)−1
|Sg=Savg ln
(rBL
rdry
)
+ µw ln
(0.472re
rBL
)
+
VCO2
Vrct
]
,
(3.4)
where VCO2 denotes the total volume of CO2 to be injected, Vr is the minimum required
pore volume to store the volume of CO2 and ct is total compressibility including rock, brine
and CO2 compressibility. This approach is valid for a closed, with no-flow boundaries. This
simplification is inappropriate for regional CO2 storage modeling, as it is well understood
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that the shales that typically surround storage reservoirs have non-zero permeabilities. In
addition, this model is complex as we need to predict the velocity and radial fronts.
Azizi and Cinar [39] developed an analytical model to determine the pressure build-
up for CO2 injection well in a saline aquifer for three types of formations such as infinite
acting, closed boundary and constant boundary formation. The underlying assumptions
include a horizontal, homogeneous aquifer with constant fluid properties. This model takes
into account the effects of relative permeability and CO2 dissolution in brine. They have
applied dimensionless technique to solve for the fluid pressures in the three regions of an
infinite-acting saline formation as shown below (Equation 3.5, 3.6 and 3.7):
1
rD
∂
∂rD
(
rD
∂PD1
∂rD
)
=
∂PD1
∂tD
, 0 < rD < rDdry. (3.5)
1
rD
∂
∂rD
(
rD
∂PD2
∂rD
)
=
1
FλgηD2
∂PD2
∂tD
, rDdry < rD < rDBL. (3.6)
1
rD
∂
∂rD
(
rD
∂PD3
∂rD
)
=
1
ηD3
∂PD3
∂tD
, rDBL < rD <∞. (3.7)
The initial and boundary conditions for the above Equations (3.5, 3.6 and 3.7) are
as follows:
PD1 = PD2 = PD3 = 0, tD = 0. (3.8)
rD
∂PD1
∂rD
= −1, rD → 0. (3.9)
PD1 = PD2, rD = rDdry. (3.10)
∂PD1
∂rD
= Fλg
∂PD2
∂rD
, rD = rDdry. (3.11)
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PD2 = PD3, rD = rDBL. (3.12)
∂PD3
∂rD
= Fλw
∂PD2
∂rD
, rD = rDBL. (3.13)
PD3 = 0, rD →∞. (3.14)
The equations have dimensionless parameters such as PD, tD, rD and  which are the
dimensionless pressure, time, radial distance and injection rate from injector respectively.
PD =
2pihkkrg(P − Pi)
qBgµg
, tD =
kkrgt
µgφr2wctg
,
rD =
r
rw
,  =
qctgµgBg
4pihkkrg
.
We need to calculate the model parameters such as ηD2, ηD3 and Fλg which are
diffusivity ratios and dimensionless total mobility as defined below:
ηD2 =
ctg
ct
|Savg (3.15)
ηD3 =
ctg
ctw
λw
λg
(3.16)
Fλg =
λg + λw
λg
|Savg (3.17)
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Now, on applying Laplace transform on Equations 3.5, 3.6 and 3.7 using initial
conditions yields:
∂2PD1
∂2rD
+
1
rD
∂PD1
∂rD
− sPD1 = 0. (3.18)
∂2PD2
∂2rD
+
1
rD
∂PD2
∂rD
− s
FλgηD2
PD2 = 0. (3.19)
∂2PD3
∂2rD
+
1
rD
∂PD3
∂rD
− s
ηD3
PD3 = 0. (3.20)
where s is the Laplace-transform variable.
The solutions of Equations 3.18, 3.19 and 3.20 can be written as:
PD1 = B[A+K0(rD
√
s)]. (3.21)
PD2 = B
[
C +DK0
(
rD
√
s
FλgηD2
)]
. (3.22)
PD3 = B
[
EI0
(
rD
√
s
ηD3
)
+ FK0
(
rD
√
s
ηD3
)]
. (3.23)
where I0 and K0 are Bessel functions. Using initial conditions (Equations 3.9 and 3.14),
we get B = 1
s
and E = 0. Now, using the inverse Laplace transformation and applying
boundary conditions to Equations 3.21, 3.22 and 3.23 yields:
PD1 = A− 1
2
Ei
(
− r
2
D
4tD
)
, tD ≥ r
2
D
4ξDdry
. (3.24)
PD2 = C − D
2
Ei
(
− r
2
D
4FλgηD2tD
)
,
r2D
4ξDBL
≤ tD ≤ r
2
D
4ξDdry
. (3.25)
PD3 = −F
2
Ei
(
− r
2
D
4ηD3tD
)
, tD ≤ r
2
D
4ξDBL
. (3.26)
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where ξDdry and ξDBL are functions of  and for lower values of ξDdry and ξDBL, the
value of the coefficients are estimated as follows:
F =
λg
λw
, D =
1
Fλg
,
A =
1
2
Ei(−ξDdry)− 1
2Fλg
Ei
(
− ξDdry
FλgηD2
)
+
1
2Fλg
Ei
(
− ξDBL
FλgηD2
)
− 1λg
2λw
Ei
(
− ξDBL
ηD3
)
,
c =
1
2Fλg
Ei
(
− ξDBL
FλgηD2
)
− 1λg
2λw
Ei
(
− ξDBL
ηD3
)
. (3.27)
On substituting the values of these coefficients, we get the final solution for predicting
the pressure build-up in three regions are as follows:
PD = −1
2
Ei
(
− r
2
D
4tD
)
+
1
2
Ei(−ξDdry)− 1
2Fλg
Ei
(
− ξDdry
FλgηD2
)
+
1
2Fλg
Ei
(
− ξDBL
FλgηD2
)
− 1λ¯g
2λ¯w
Ei
(
− ξDBL
ηD3
)
,
(3.28)
where tD ≥ r
2
D
4ξDdry
.
PD = − 1
2Fλg
Ei
(
− r
2
D
4FλgηD2tD
)
+
1
2Fλg
Ei
(
− ξDBL
FλgηD2
)
− 1λ¯g
2λ¯w
Ei
(
− ξDBL
ηD3
)
, (3.29)
where
r2D
4ξDBL
≤ tD ≤ r
2
D
4ξDdry
.
PD = − 1λ¯g
2λ¯w
Ei
(
− r
2
D
4ηD3tD
)
, (3.30)
where tD ≤ r
2
D
4ξDBL
.
The final total pressure build-up is given by equation below:
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Pw = Pi+
(PDqBgµg
2pihkkrg
)
, (3.31)
where ξDBL and ξdry denotes the movement of the fronts in BL and dry regions re-
spectively; ηD2 and ηD3 denotes dimensionless diffusivity ratio and Fλg represents the total
mobility.
In our modeling, we use the analytical model for single well proposed by [39] which
takes into account the effects of relative permeability and CO2 dissolution in brine. This
model is a simplified assumption as we don’t need to find the accurate values for the velocity
fronts and the radial fronts rBL and rdry respectively. Instead we used the modified fluid
pressure build-up equation shown for three regions in terms of injection time which is more
practical approach. This model help us to estimate the pressure build-up developed due to
CO2 injection. The detailed description of the approximation and diffusivity equations are
given in [39]. Also, recent work by Joshi [40] has demonstrated the use of Azizi and Cinar
[39] approach for assessing the storage capacity for the Nisku aquifer. The model was also
applied for the geological setting with multi-wells further validating the model applicability
to be considered for multiple injection well case scenarios. We extended the work done by
looking into the sensitivity of saturation fronts on predicting the various parameters during
modeling, as Joshi′s [40] work considers only one approach for determining the saturation
fronts. We also implemented the analytical model on various other reservoirs by identifying
the fitting parameter for predicting the saturation fronts and model parameters which can
be used to determine the pressure build-up during CO2 injection in saline formations for
each case.
There are several underlying assumptions such as the reservoir is homogeneous, infi-
nite acting, isothermal and isotropic. A fully penetrating vertical well is used for injection
of CO2 in saline formation at a constant injection rate. Reservoir compressibility, thick-
ness, permeability are all kept constant. The effect of capillary, gravity and skin factor are
neglected for simplicity. On injecting CO2 into the saline aquifer, there is a creation of
three regions in the formation as shown in Figure 3.1.
Region 1 shows a dry gas region where CO2 is dissolved in brine phase. Region 2
represents two phase flow where brine is saturated with CO2 or CO2 is saturated with brine.
Region 3 shows the fully saturated brine phase. The radial boundaries for the three regions
i .e. single phase CO2, two phase region or BL and single phase brine are rdry, rBL and re
respectively. As a result, we have two saturation fronts dry (SgDry) and BL saturations
(SgBL) between these three regions. The saturation distribution in these regions do not
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Figure 3.1: [35] Schematic representation of three phase regions around CO2 injection well.
consider gravity segregation into account as we neglect gravity forces. With the saturation
profile, the analytical model for predicting the pressure profile can be determined.
3.4 Determination of Saturation Profile
Flow in two phase flow are of fundamental importance to many problems related to the
storage of CO2. Wu et al. [41] concluded that the multi-phase flow when compared to
single phase flow are very complicated and not clear due to complex interaction of different
fluid phase. Thus, the fundamental understanding of flow in multi-phase flow is solved by
BL displacement study on fractional flow theory [33]. The BL displacement theory helps
to determine the saturation profile with a sharp front along the flow direction by ignoring
the gravity and capillary effects. Thus, the saturation profile can be determined by the
various approaches as mentioned in by Noh et al. [42], Welge [43] and Woods et al. [44].
Relative permeability and fractional flow curves need to be defined to build the sat-
uration fronts. First, the relative permeability curve is plotted to determine the fractional
flow curve. In our study we modeled the reported data (for different cases) and fitted it
using the relative permeability formulation by Corey approach [45].
krg = k
0
rg
[ Sg
1− Swr
]m
, krw =
[
1− Sg
1− Swr
]n
, (3.32)
where g and w represent CO2 and Brine phases respectively, Sg is the gas saturation,
Swr is the residual brine saturation, k
0
rg is gas endpoint relative permeability, m and n are
corey gas and brine components respectively.
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(a) Relative Permeability Curve. (b) Fractional Flow Curve.
Figure 3.2: Relative Permeability and Fractional Flow for Viking aquifer.
With the help of Equation 3.32, the relative permeability can be plotted with respect
to gas saturation Sg as shown in Figure 3.2.
Now, we can evaluate the fractional flow curve for the determination of two saturation
fronts from the relative permeability curve. Fractional flow is dependent only on relative
permeabilities and viscosities of fluids. Fractional flow equation is defined as the model
used for the determination of fraction of total fluid flow for a certain period of time. Once
the saturation profile is known, the diffusivity pressure Equation 3.31 for two phase flow are
solved. There are several methods to evaluate the saturation fronts in two phase flow. All
these models have underlying assumptions such as one dimensional homogeneous system,
porous medium, two phase flow, no gravity and capillary forces.
In the first approach proposed by [42], the saturation fronts is determined using the
fractional flow theory. Figure 3.3 shows the schematic representation of fractional flow
curve of a gaseous phase where CO2 displaces brine in a saline aquifer.
The fractional flow for two phase can be evaluated as:
fBrine =
1
1 +
(
krw
krg
)(
µg
µw
) , fCO2 = 1
1 +
(
krg
krw
)(
µw
µg
) , (3.33)
where krg is CO2 relative permeability, krw is Brine relative permeability, µg is CO2
viscosity and µw is Brine viscosity.
Using Equation 3.33, the fractional flow curve is plotted (refer to Figure 3.2). Now,
to determine the saturation fronts i.e. Dry front saturation SgDry and BL front saturation
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Figure 3.3: [42] Fractional flow curve by Noh et al. approach
SgBL, we draw tangents on fractional flow curve from two points (i .e. points I and J )
located on the slope line drawn from origin (refer to Figure 3.3). Point I and Point J
represents the initial and injection conditions respectively. A tangent line drawn from
point I to gaseous phase are evaluated at equilibrium between the gaseous (CO2 ) and
aqueous (brine) phase. The slope of the line from point I represents the specific velocity
of fast shock i .e. vBL. The second tangent drawn from point J to the fractional flow curve
exists where the dry gaseous phase (CO2 ) evaporates the aqueous phase (brine). The slope
of this line is referred to as specific velocity of slow shock vdry . According to this approach,
the two points are referred as retardation factors such as DBL and DDry for brine displacing
CO2 and CO2 displacing brine respectively.
The placement of the shocks (points I and J ) are obtained by [46] using graphical
approach. In this approach, the retardation factors DBL (S
I
g , f
I
g ) and DDry (S
J
g , f
J
g ) are
defined as:
I = (SIg , f
I
g ) =
( ρaωCO2,a
ρaωCO2,a − ρgωCO2,g
,
ρaωCO2,a
ρaωCO2,a − ρgωCO2,g
)
. (3.34)
J = (SJg , f
J
g ) =
( ρaωBrine,a
ρaωBrine,a − ρgωBrine,g ,
ρaωBrine,a
ρaωBrine,a − ρgωBrine,g
)
. (3.35)
Once the retardation factors (I and J coordinates) are evaluated using Equations
3.34 and 3.35, we move ahead and determine the two saturation fronts Sbg and S
c
g as seen
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in Figure 3.3. These saturation fronts help us predict the analytical model for determining
the pressure profile.
(a) Determination of front shock Sf . (b) Determination of average saturation
front Savg.
Figure 3.4: [43] Fractional flow curve by Welge.
We used another graphical approach proposed by Welge [43]. In this approach, the
fractional flow is plotted with the help of relative permeability data. As shown in Figure
3.4, the tangent drawn originates at the initial gas saturation. The tangent point represents
the gas saturation at the displacement front. The slope of this tangent line represents the
speed of the saturation fronts i .e. SgBL and Sdry. As shown in the Figure 3.4, the average
saturation front (i .e. Savg) are estimated using the Welge tangent method. This approach
can be used for the determination of average saturation front when the initial saturation
is uniform.
Our another approach for the evaluation of saturation fronts is determined by using
Woods et al. [44]. In this method, the saturation fronts are obtained by drawing tangents
on fractional flow curve from origin (refer Figure 3.5). In this case, the fractional flow
is defined as seen in Equation 3.36. Thus, two saturation fronts i.e. SgBL and SgDry are
evaluated by this approach.
fg =
fg−0
Sg−0
. (3.36)
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Figure 3.5: [44] Fractional flow curve by Woods et al.
3.5 Pressure profile for Single Well scenarios
After the prediction of saturation fronts, the rise in reservoir pressure due to injection of
CO2 can easily be determined. The primary objective during injection process is continuous
measurement of reservoir pressure versus time and the maintenance of pressure below
the fracture pressure. According to [47], the formation pressure is used in predicting
the volumetric calculation, dynamic reservoir property determinations such as relative
permeability, reservoir characterization and fluid characterization such as determination of
phase behavior and fluid properties.
For the study to predict reservoir pressure with respect to time, we have used the
analytical model by [39] for two phase model. Equations 3.31, 3.28, 3.29 and 3.30 are used
for determining pressure build-up for single CO2 injection in saline formations. The input
parameters used to calculate the pressure build-up are listed as seen in the Table 3.1. We
used the properties of the reservoir similar to those used in Berkeley Laboratory study [48].
We evaluated two saturation fronts using all the different approaches to compare
our results (refer Table 3.2). Table shows how the maximum BHP profile changes with
different value of average saturation fronts (Savg) emphasizing the importance of validating
the model before using it to perform further analysis. As the first step, we use the relative
permeability reported in Berkeley data [48] to derive the fractional flow curve for our
case. To model the fractional flow curve we used reservoir parameters like µg=0.062cP,
µw=0.84cP, Swr=0.332 and Sgr=0.05. Using all this parameters, we obtain the fractional
flow (fg) curve shown in Figure 3.6(a). There are many approaches to predict the saturation
fronts.
The most commonly used method in the literature is Noh et al. approach. Using
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Parameters Value
Porosity (φ) 0.12
Permeability (k) 100 mD
Thickness (h) 100 m
Brine Viscosity (µw) 0.84 cP
CO2 Viscosity (µg) 0.062 cP
Rock Compressibility (cr) 1.45×10−10 1/Pa
Brine Compressibility (cw) 1×10−9 1/Pa
Gas Formation Volume Factor (Bg) 0.0022 rB/SCF
Injection Rate (Q) 81.02 m3/s
Time (t) 50 years
Radius of well (rw) 0.076 m
Initial Pressure (Pi) 1.2×107 Pa
Fracture Pressure (Pf ) 2.7×107 Pa
Relative Permeability Data
Brine residual saturation (Swr) 0.332
CO2 residual saturation (Sgr) 0
Brine relative permeability component (n) 3
CO2 relative permeability component (m) 3
CO2 endpoint relative permeability (krg0) 0.0
Brine endpoint relative permeability (krw0) 1
Table 3.1: Parameters for Single well modeling using Berkeley Laboratory study [48].
Approach SgBL Sgdry Savg Maximum BHP
Noh et al.[42] 0.22 0.31 0.26 24.5 MPa
Woods et al.[44] 0.22 0.35 0.29 23 MPa
Welge [43] 0.19 26.5 MPa
CMG Numerical Model 28 MPa
Analytical Model 0.185 27.5 MPa
Table 3.2: Determination of average saturation fronts by various graphical approach.
this approach, we calculated the coordinates of points I and J which are (-0.05, -0.05)
and (1.0469, 1.0469) respectively. The average saturation front for Berkeley parameters
was obtained to be 0.26 resulting to a reservoir pressure of 24.5MPa which is very less
compared to numerical model i.e. 28MPa (refer to Figure 3.6).
The next approach to get a closer approximation to the actual reservoir pressure
was by using Welge tangent method. In this approach, we draw tangent from initial gas
saturation (i .e. in our case Sg=0) to the fractional flow curve (refer Figure 3.6) to give us
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(a) Fractional flow curve. (b) Pressure build-up profile.
Figure 3.6: Fractional flow and pressure profile for Berkeley study.
the point (0.19, 0.75). Using this technique, we get the average saturation fronts (Savg) as
0.19 resulting to a reservoir pressure of 26.5MPa which is closer to the one obtained from
the numerical model(i .e. 28MPa).
As we know the saturation front is very sensitive to the reservoir pressure so in order
to get a better estimation of the saturation front, we extended the Welge tangent approach
further by doing iterations. In this case, we followed the same procedure of plotting the
relative permeability curve using the gas saturation (Sg), gas relative permeability (krg)
and brine relative permeability (krw) using the Berkeley parameters listed in [48]. Once
the relative permeability data is plotted, we plotted the fractional flow curve. In order to
get the best fitting parameter, we find the slope on the fractional flow curve between the
points 0.18 and 0.20 originating from initial gas saturation (Sg), as we found the value of
Savg from Welge approach to be 0.19. On doing so, we get the value of average saturation
front (Savg) to be 0.185. The pressure build-up was found to be 27.5MPa which is in closer
agreement with the numerical model (i .e. 28MPa). Thus, we proceeded with the modified
welge method for the determination of saturation fronts.
Once the accurate saturation fronts are determined, all the analytical model param-
eters can be determined and the analytical two phase model can be run. The analytical
model for single well scenarios are compared with numerical modeling for validation pur-
pose. The CMGs commercial simulator is used for validating our model. Figure 3.7
shows reservoir pressure for single well CO2 injection in saline formations. The BHP is
constrained to less than 90% of fracture pressure over the entire injection period so as
to maintain the integrity of the reservoir and prevent any leakage. In our case, BHP
reaches 2.7×107Pa which is similar to the result obtained by the numerical simulator (i .e.
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(a) Analytical Modeling. (b) Numerical Modeling.
Figure 3.7: Comparison of Analytical model with Numerical simulations.
28,000kPa) implying that our analytical model is valid.
As shown in the Figure 3.7, the analytical modeling and numerical solution for a
single well CO2 injection in saline formations are in close agreement.
3.6 Multiple Well Scenarios
As mentioned in the Section 3.3.1 for single well scenarios, there are various analytical
models proposed for single well to determine reservoir pressure for CO2 injection in a saline
formations. However, in order to inject maximum amount of CO2 at a commercial rate,
more than one well is required to maximize the injectivity of CO2. Thus, modeling for
multiple well cases should be considered in order to achieve high injection capacity.
Determination of injection capacity for multiple well cases is not straightforward
process but can be developed by extending the model from a single well scenario. This
is because increase in pressure caused by one well can easily affect the injection rate for
another well if both the wells are placed in same formation. However, there is no analytical
model developed in the literature focusing on multiple well and multiphase system focusing
on CO2 injectivity in saline formations. When CO2 is injected in saline aquifer, two phase
flow of CO2 and brine exists. But, modeling for two phase scenario is complicated as it
is dependent upon a number of factors such as relative permeability, formation fracture
pressure, reservoir permeability, capillary pressure, dissolution effects of CO2, injection well
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location relative to the boundary of aquifer and structural gradient changes at reservoir
level [49,50]. The later part of the Section deals with the development of analytical model
considering two phase flow to determine the pressure profile for multiple well scenarios.
3.6.1 Modeling for Multiple Well scenarios
There are various studies on multiple well scenarios in petroleum literature. In 1999,
Marhaendrajana et al. [51] developed multiwell solution for the pressure behavior of a well
in a bounded reservoir using the superposition principle. The model was assumed to be
homogeneous bounded rectangular reservoir with constant thickness, full penetrating wells
and location of wells were arbitrary. They used the combined approach of single phase gas
pseudopressure with a homogeneous reservoir model for determination of pressure profile.
Li and Yang [52] extended the multiwell model developed by [51]. In this model, they
considered well interference effects for both injection and production wells. However, all
these analytical models are developed for oil and gas injectivity.
The literature review on multiple well scenarios for CO2 injection in a geological
formation are sparse. In 2008, Zakrisson et al. [53] used single phase steady state flow to
assess the effects of well interference during CO2 injection in subsurface formations. They
used the superposition technique to develop multiwell injectivity model. They presented
the results of effect of number of wells, formation permeability, well spacing and total
injection rate on well interference. In 2009, Ghaderi et al. [54] presented the investigation
of injection of CO2 in a saline aquifer. They used numerical simulations to determine the
minimum number of wells required to store desired amount of CO2 in an infinite acting
reservoir. They also presented sensitivity analysis of reservoir parameters and their effect
on storage of CO2. In 2011, Pooladi-Darvish et al. [55] developed an analytical solution
for multiple wells injectivity for CO2 injection in saline aquifer as a function of number of
wells and distance between wells. They used single phase steady state flow and developed
multiwell model using superposition technique. The model assumed to be homogeneous
reservoir with constant thickness.
However, all these models assume single state phase flow model for simplicity. A
single phase model approach does not require knowledge of relative permeability data and it
is more practical and convenient during analysis of well data. A two phase model approach
is very complicated and requires knowledge of relative permeability data set as well as a
pressure saturation function for the determination of pressure profile and mobility [51].
There are no analytical models in the CO2 sequestration literature focusing on modeling
of multiple well and multi-phase flow system for CO2 storage in saline formations. Thus,
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the following Section presents the new analytical model for multiple well cases for CO2
sequestration in saline formations.
3.6.2 Pressure profile for Multiple well
In order to model the analytical model for multiple well cases in an infinite acting
formation, the pressure profile is examined. The theory of pressure transient analysis is
similar to the theory of heat transfer in solids. For infinite acting multiple well systems
in oil fields, pressure transient analysis is already done using the superposition principle.
Mathematically, the superposition principle states [56] that the linear combinations of
particular solutions to a linear and homogeneous differential equation is a solution to the
differential equations (in our case equations are not linear and validation should be made
for each case). This technique uses the summation of the particular solutions by treating
one boundary equation at a time [57].
Pfinal = Pi +
n∑
n=1
Pn, (3.37)
where n represents the number of injection wells.
Thus, we implemented the superposition technique to develop our new multi-well
injectivity analytical model for predicting the pressure at any point in the formation for
CO2 storage in saline aquifers. We used the analytical model for single well case scenarios
for prediction of pressure build-up in saline aquifers developed by [39]. Now, using this
analytical model and superposition technique, we developed analytical model for multiple
well scenarios for CO2 sequestration in saline aquifers. Thus, we concluded that as we
increase the number of wells the total pressure build-up in the reservoir will be the total
summation of pressure build-up due to each individual well [58]. Equation 3.37 is used for
the estimation of pressure at any point during CO2 storage in saline aquifer.
Now, we provided the model validation for our multiple well scenarios. We developed
the analytical model for multiple well scenarios with radial extents for 6, 8 and 10 km. We
considered the model domain with a square area of 200 km × 200 km. We applied the
superposition principle to Equations 3.28, 3.29 and 3.30. Similar to the previous Section
3.5, we used the same fluid properties as provided in the Berkeley laboratory study. We
compared our analytical model to the results obtained by Ghaderi et al. [54] numerical
simulations for Berkeley study (refer Figure 3.8). It was observed that the results from
the analytical modeling for multiple well scenarios are in close agreement with the one
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(a) Analytical result. (b) Numerical result.
Figure 3.8: Variation of injected CO2 versus number of wells and distance between them.
Amount of CO2 injected Gt for 50 years
Analytical Model Numerical Model
Number of 6km 8km 10km 6km 8km 10km
Wells
1 0.28 0.28 0.28 0.25 0.25 0.25
4 0.52 0.56 0.6 0.55 0.6 0.65
9 0.62 0.7 0.77 0.75 0.8 0.85
16 0.75 0.87 0.99 0.82 0.9 0.95
25 0.84 1 1.16 0.92 1 1.1
Table 3.3: Table showing analytical and numerical modeling parameters used for variation
of injected CO2 versus number of wells and distance between wells.
obtained from the numerical modeling. Thus, now we can move forward and use it for
optimizing the injection capacity of a potential CO2 storage site to maximize the amount
of CO2 in saline formation.
3.7 Sensitivity Analysis
In this section, the sensitivity analysis for various input parameters during analytical
modeling is examined. There are several parameters such as reservoir thickness, perme-
ability and compressibility which affect the reservoir pressure during injection of CO2 in
saline formation. The determination of pressure build-up during injection is difficult be-
cause the pressure value changes due to the effect of these parameters. Thus, the sensitivity
35
analysis was carried out to investigate the effect of these parameters on the amount of CO2
injected and stored after 50 years. All these parameters were chosen closer to the reservoir
properties. Figure 3.9, 3.10 and 3.11 shows the sensitivity analysis of each of these param-
eters. All these parameters were compared to numerical simulations results obtained by
Ghaderi et al. [54].
(a) Analytical result. (b) Numerical result.
Figure 3.9: Effect of Compressibility on storage capacity.
The most important parameter which effects the storage capacity is Compressibility.
During the sensitivity analysis, the value of compressibility was varied from 2.25 × 10−9
to 9 × 10−11(1/Pa). We concluded that rocks with lower compressibility will have higher
storage capacity (refer to Figure 3.9). We also noted that higher value of compressibility
increases the storage capacity when we increase the number of wells.
(a) Analytical result. (b) Numerical result.
Figure 3.10: Effect of Permeability on storage capacity.
The second important parameter which we saw that effect the storage capacity is
Permeability. During the sensitivity analysis, the value of permeability was varied from
25 to 100mD. We concluded that higher value of permeability will have higher storage
36
capacity (refer to Figure 3.10). We also noted that by reducing the permeability to 25mD,
the amount of CO2 stored is reduced tremendously. It was also observed that by increasing
number of wells, the effect of permeability on storage capacity is low.
(a) Analytical result. (b) Numerical result.
Figure 3.11: Effect of Thickness on storage capacity.
The last parameter which we saw that effect the storage capacity is Formation Thick-
ness. During the sensitivity analysis, the value of thickness was varied from 50 to 100m.
We concluded that lower value of thickness will have storage capacity decreased by 50
percent as seen in Figure 3.11. It was also observed that by increasing number of wells,
the effect of thickness on storage capacity is high.
3.8 Modeling Brine injection (Single Phase flow)
For the modeling of brine production we move forward with the single phase model. A
single phase flow model is a model where single fluid exist i .e. Pure Brine injected in a
brine reservoir. There are many assumptions made to simplify the problem for analytical
model in single phase flow. The model is assumed to be homogeneous, infinite acting,
isothermal, isotropic and horizontal. Reservoir compressibility, thickness, fluid viscosities
are all kept constant. The well is centered in a cylindrical reservoir with a wellbore radius
of flow rw. There is no flow across the outer boundary. The effect of capillary, gravity and
skin factor are neglected for simplicity.
We used constant-terminal-rate solution for single phase model to predict the pressure
buildup analysis for single well at constant rate proposed by Mathews and Russell [58].
Pw = Pi +
70.6qCO2µBg
kh
Ei(
−948φµctir2w
kt
). (3.38)
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The mathematical function Ei is defined as Exponential Integral and is given by:
Ei(−x) = −
∞∫
x
e−udu
u
=
[
lnx+
inf∑
i=1
(−1)x
x!
]
. (3.39)
Equation 3.38 is for a Single phase analytical model and is used to determine pressure
build-up for single well brine production from a brine reservoir.
3.9 Summary
In this chapter we gave an introduction to single well analytical modeling to determine
the pressure build-up during CO2 injection in Section 3.3 by going over the various analyti-
cal models for single well scenarios. We went through various approaches for determination
of saturation fronts in Section 3.4 which are often implemented for determination of pres-
sure profile during injection. We however showed in Section 3.5 the analytical model we
used to validate reservoir pressure for single well modeling using Berkeley study as an ex-
ample. In Section 3.6 we commented on analytical modeling for multiple well scenarios.
We also discussed how pressure profile was developed for multiple well scenarios using su-
perposition principle. We presented sensitivity analysis for significant parameters during
analytical modeling. Finally, in Section 3.8 we presented analytical single phase modeling
for production of brine from saline formations.
The following Chapter present four case scenarios for single well and multiple well
modeling for infinite acting formation while accounting for important parameters such as
relative permeability and well interference. We also presented the results obtained during
optimization of injection capacity for CO2 in saline formations.
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Chapter 4
Results and Discussions
In this chapter, we present the single well solutions developed in the previous chapters
for different reservoirs. The model is assumed for CO2 injection in a homogeneous, hori-
zontal and infinite acting saline formation. The solutions are presented for Viking aquifer,
Michigan basin, Nisku aquifer and Mount Simon sandstone. A comparison with numerical
simulations is also presented to validate our analytical model. We also did optimization to
increase the injection capacity of CO2 in saline aquifer.
4.1 Single Well Modeling
4.1.1 Single Well Case Study 1 - Viking Aquifer in the Alberta
Basin
The Alberta Sedimentary basin in western Canada is considered as one of the largest
petroleum producers in the world. The Alberta basin is well suited for CO2 sequestration as
it meets all reservoir scale criteria such as favorable geology and hydrogeology, available oil
and gas reservoirs and tectonic stability [21]. This basin contains sandstone and carbonates
which forms the aquifer. Out of these aquifer, Viking aquifer was considered to be one of
the dominant aquifer for the determination of injection capacity in saline formations. We
use the Viking aquifer reservoir field example from Burton et al. [35] for our work. Table 4.1
lists all the reservoir parameters used for modeling of CO2 in saline formations. According
to the data, initial pressure is 1800psi and maximum reservoir pressure is 2800psi. This
aquifer was assumed to be homogeneous, isotropic, infinite-acting formation, gravity and
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(a) Fractional flow curve. (b) Pressure build-up profile.
Figure 4.1: Fractional flow and pressure profile for Viking aquifer.
Parameters Value
Porosity (φ) 0.135
Permeability (k) 30 mD
Thickness (h) 40 m
Brine Viscosity (µw) 0.7 cP
CO2 Viscosity (µg) 0.17 cP
Rock Compressibility (cr) 1.45×10−10 1/Pa
Brine Compressibility (cw) 1×10−9 1/Pa
Gas Formation Volume Factor (Bg) 0.003 rB/SCF
Injection Rate (Q) 2.47 m3/s
Time (t) 50 years
Radius of well (rw) 0.076 m
Initial Pressure (Pi) 1.241×107 Pa
Fracture Pressure (Pf ) 1.931×107 Pa
Gas saturation of dry front (Sgdry) 0.28
Gas saturation of BL front (SgBL) 0.40
Average saturation front (Savg) 0.34
Table 4.1: Reservoir parameters used for modeling in the Viking Aquifer.
injection was simulated as one-dimensional radial flow at a constant injection rate. We
used the relative permeability data reported for Viking sandstone by Bennion and Bachu
[59].
For the calculation of saturation fronts (i .e. SgBL and Sgdry), we used the results
obtained by [35] using the Noh et al. [42] approach. In our case, average saturation front
(Savg) is 0.34 as shown in Figure 4.1(a). Once the accurate saturation fronts are determined,
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all the analytical model parameters can be determined and the analytical two phase model
can be run. Figure 4.1(b) shows pressure build-up for single well CO2 injection in saline
formations. In our case, maximum BHP reaches 1.938×107Pa implying that our analytical
model is valid as the maximum BHP obtained by numerical simulator is 1.931×107Pa.
4.1.2 Single Well Case Study 2 - Bass Islands Dolomite in the
Michigan Basin
The Midwest Regional Carbon Sequestration Project Partnership (MRCSP) has con-
ducted CO2 injection test at Otsego County, Michigan in the Bass Islands Dolomite saline
formation. The formations are at the depth of 1049-1071m. According to [60], the rock
test suggested an average permeability of 22mD, porosity of 13% and the net thickness of
the aquifer is 200m, initial pressure of 1.05MPa and fracture pressure 1.38MPa. In this
study, this aquifer was assumed to be homogeneous, isotropic, infinite-acting formation
and injection was simulated as one-dimensional radial flow at a constant injection rate.
Parameters Value
Porosity (φ) 0.13
Permeability (k) 22 mD
Thickness (h) 200 m
Brine Viscosity (µw) 0.7 cP
CO2 Viscosity (µg) 0.17 cP
Rock Compressibility (cr) 1.45×10−10 1/Pa
Brine Compressibility (cw) 1×10−9 1/Pa
Gas Formation Volume Factor (Bg) 0.003 rB/SCF
Injection Rate (Q) 6.5 m3/s
Time (t) 50 years
Radius of well (rw) 0.076 m
Initial Pressure (Pi) 1.05×107 Pa
Fracture Pressure (Pf ) 1.38×107 Pa
Gas saturation of dry front (Sgdry) 0.26
Gas saturation of BL front (SgBL) 0.34
Average saturation front (Savg) 0.3
Table 4.2: Parameters used for modeling in Michigan Basin.
The main aim of this project is to inject 10,000 metric tons of CO2 in saline formations
for the evaluation of CO2 sequestration potential for Michigan Basin. In 2006, a test well
named, State−Charlton 4 -30 was drilled and this was done for monitoring of injection well.
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At the start of injection, 450 metric ton of CO2 was injected per day. The BHP recorded
was around 13,800kPa. The input parameters used to calculate the pressure build-up are
listed as seen in Table 4.2.
(a) Analytical Modeling. (b) Numerical Modeling.
Figure 4.2: Comparison of Analytical model of Michigan Basin with Numerical simulations.
Using the reservoir parameters, we used our analytical model to determine the reser-
voir pressure during the injection test. Then, the analytical model for single well scenarios
were compared with numerical modeling for validation purpose. We used the simulation
result obtained by Sminchak et al. [60]. Figure 4.2 shows the pressure build-up for sin-
gle well CO2 injection in saline formations. In our case, the maximum reservoir pressure
reaches 1.38×107Pa which is similar to the result obtained by the numerical simulator (i .e.
13,800kPa) implying that our analytical model is valid.
4.2 Multiple Well Modeling
4.2.1 Multiple Well Case Study 1 - Nisku Aquifer
According to the Alberta Geological Survey [61], Nisku formation in the southwest of
Edmonton has been identified as the potential storage site for CO2 sequestration in saline
aquifer for a variety of favorable conditions such as capacity, confinement and injectivity.
The project is examining the feasibility to store 20 Mt CO2 for time period of 50 years.
According to [54], the net thickness of the aquifer is 102m, initial pressure is 16MPa and
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fracture pressure is 36MPa. In this study, this aquifer was assumed to be homogeneous,
isotropic, infinite-acting formation. The input parameters used to calculate the pressure
build-up are listed as seen in the Table 4.3. We used the relative permeability data given
in [59].
Parameters Value
Porosity (φ) 0.064
Permeability (k) 46 mD
Thickness (h) 102 m
Brine Viscosity (µw) 0.84 cP
CO2 Viscosity (µg) 0.062 cP
Rock Compressibility (cr) 1.45×10−10 1/Pa
Brine Compressibility (cw) 1×10−9 1/Pa
Gas Formation Volume Factor (Bg) 0.003 rB/SCF
Injection Rate (Q) 17.01 m3/s
Time (t) 50 years
Radius of well (rw) 0.076 m
Initial Pressure (Pi) 1.6×107 Pa
Fracture Pressure (Pf ) 3.1×107 Pa
Relative Permeability Data
Brine residual saturation (Swr) 0.423
CO2 residual saturation (Sgr) 0
Brine relative permeability component (n) 3
CO2 relative permeability component (m) 3
CO2 endpoint relative permeability (krg0) 0.099
Brine endpoint relative permeability (krw0) 1
Table 4.3: Parameters used for modeling in Nisku Aquifer.
Approach SgBL Sgdry Savg Maximum BHP
Noh et al.[42] 0.32 0.465 0.4 29 MPa
Woods et al.[44] 0.33 0.58 0.46 28.5 MPa
Welge [43] 0.43 34 MPa
CMG Numerical Model 31 MPa
Analytical Model 0.41 31.2 MPa
Table 4.4: Determination of average saturation fronts by various graphical approach.
We evaluated two saturation fronts using all the different approaches to compare our
results (refer to Table 4.4). Table shows how the maximum reservoir pressure changes with
different value of average saturation fronts (Savg) emphasizing the importance of validating
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(a) Analytical Modeling. (b) Numerical Modeling.
Figure 4.3: Comparison of analytical model of Nisku Aquifer with numerical simulations.
the model before using it to perform further analysis. As we know the saturation front is
very sensitive to the reservoir pressure in order to get a better estimation of the saturation
front, we used modified Welge tangent approach. For Mount Simon sandstone using our
approach, we get the value of average saturation front (Savg) to be 0.41 for Nisku aquifer.
The pressure build-up was found to be 31.2MPa which is in closer agreement with the
numerical model (i .e. 31MPa).
After the prediction of saturation fronts, the rise in reservoir pressure due to injec-
tion of CO2 can easily be determined. The analytical model for single well scenarios are
compared with numerical modeling for validation purpose. We used numerical simulation
result obtained by [54]. Figure 4.3 shows pressure build-up for single well CO2 injection
in saline formations. In Nisku formation, the fracture pressure is approximately 36MPa
and the pressure is kept below fracture pressure 32MPa (i .e. 90% of 36MPa). In our case,
the reservoir pressure reaches 3.1×107Pa which is similar to the result obtained by the
numerical simulator (i .e. 31,000kPa).
Now, we extend our analytical model from a single well scenario to multiple well
scenarios with the help of superposition principle. Using this principle, we developed an
analytical model for 20 injection well scenarios. We considered the model domain with
a square area of 20 km×20 km. Once modeled, the analytical solutions were compared
with numerical model. To validate our model, we used the numerical simulation results
obtained for Nisku formation by [54]. Figure 4.4 shows the comparison of analytical model
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Figure 4.4: Variation of Nisku capacity with respect to number of wells. LL represents
Lower Limit and UL represents Upper Limit.
with numerical model for 20 wells after 50 years of injection. In the results shown in
figure 4.4, blue and white points present the injection capacity of the focus area with the
following reservoir properties: porosity 20%, permeability 90mD and rock compressibility
of 1.45×10−9(1/Pa); whereas red and green points represent the base case properties such
as porosity 10%, permeability 50mD and rock compressibility of 9×10−11(1/Pa). Thus it
was observed that results obtained by the numerical simulator are in close agreement with
the analytical model implying that our analytical model for multiple well scenarios is valid.
4.2.2 Multiple Well Case Study 2 - Mount Simon Sandstone
The Midwest Geological Sequestration Consortium (MGSC) [62] was found to predict the
long term storage of CO2 in the Mount Simon sandstone near the Illinois basin. The Mount
Simon Sandstone is a saline water filled aquifer and is considered as one of the potential
site for geological sequestration. This project is most commonly known as Illinois Basin
Decatur Project (IBDP).
The project is injecting 100 Mt of CO2 for 50 years into the Mount Simon Sandstone.
The project simulated CO2 injection with an injection rate of 5 Mt/year/well with 20
number of wells. The aquifer has 10% porosity, permeability ranges from 1.4×10−18 to
6.7×10−20m2 and rock compressibility ranges from 3.7×10−10 to 6.0×10−10Pa−1 and the
thickness of Mount Simon sandstone varies from 300 to 700m [31]. The assumptions for
IBDP are infinite acting boundary conditions, homogeneous and isotropic [63]. The input
parameters used to calculate the pressure build-up are listed as seen in the Table 4.5.
We modeled the relative permeability curve for Mount Simon sandstone aquifer us-
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Parameters Value
Porosity (φ) 0.1
Permeability (k) 5 mD
Thickness (h) 500 m
Brine Viscosity (µw) 0.84 cP
CO2 Viscosity (µg) 0.07 cP
Rock Compressibility (cr) 3.71×10−10 1/Pa
Brine Compressibility (cw) 1×10−9 1/Pa
Gas Formation Volume Factor (Bg) 0.011 rB/SCF
Injection Rate (Q) 85.26 m3/s
Time (t) 50 years
Radius of well (rw) 0.076 m
Initial Pressure (Pi) 1.5×107 Pa
Fracture Pressure (Pf ) 2.7×107 Pa
Relative Permeability Data
Brine residual saturation (Swr) 0.34
CO2 residual saturation (Sgr) 0
Brine relative permeability component (n) 3
CO2 relative permeability component (m) 3
CO2 endpoint relative permeability (krg0) 0.0
Brine endpoint relative permeability (krw0) 1
Table 4.5: Parameters used for modeling in Mount Simon Sandstone.
Approach SgBL Sgdry Savg Maximum BHP
Noh et al.[42] 0.3 0.41 0.36 22 MPa
Woods et al.[44] 0.32 0.5 0.41 21.2 MPa
Welge [43] 0.38 23 MPa
CMG Numerical Model 24.3 MPa
Analytical Model 0.35 24 MPa
Table 4.6: Determination of Average Saturation Fronts by various graphical approach.
ing the data reported in [64]. We evaluated two saturation fronts using all the different
approaches to compare our results (refer to Table 4.6). Table shows how maximum BHP
changes with different value of average saturation fronts (Savg). We used modified Welge
tangent approach for determining the average saturation front for Nisku aquifer. Using our
approach, we get the value of average saturation front (Savg) to be 0.35 for Mount Simon
sandstone. The pressure build-up was found to be 24MPa which is in closer agreement
with the numerical model (i .e. 24.3MPa).
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(a) Analytical Modeling. (b) Numerical Modeling.
Figure 4.5: Comparison of Analytical model of IBDP with Numerical simulations.
After the prediction of saturation fronts, the rise in BHP due to injection of CO2 can
easily be determined. The analytical model for single well scenarios are compared with
numerical modeling. In this model, ECLIPSE 300 (v2011.2) reservoir simulator is used
to validate the model. Figure 4.5 shows pressure build-up for single well CO2 injection
in saline formations. In Mount Simon sandstone saline formation, the fracture pressure
is approximately 27MPa and the pressure is kept below fracture pressure 24.3MPa (i .e.
90% of 27MPa). In our case, reservoir pressure reaches 2.43×107Pa which is similar to the
result obtained by the numerical simulator [65] (i .e. 3560psi).
(a) Analytical Modeling. (b) Numerical Modeling.
Figure 4.6: Comparison of Analytical model of IBDP with Numerical simulations for 20
injection wells.
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Now, we extended our analytical model from a single well scenario to multiple well
scenario with the help of superposition principle. Using this principle, we developed ana-
lytical model for 20 injection well scenarios with 10km spacing. We considered the model
domain with a square area of 27 km×30 km. Once modeled, the analytical solutions are
compared with numerical model. To validated our model, we used the numerical simula-
tion results obtained by Zhou et al. [66]. Figure 4.6 shows the comparison of analytical
model with numerical model for radial extent of 10km after 50 years of injection. Thus it
is observed that results obtained by the numerical simulator are in close agreement with
analytical model implying that our analytical model for multiple well scenarios is valid.
4.3 Optimization of Multiple wells
In order to make carbon sequestration in saline formations a viable option to tackle
climate change, we should be able to sequester large quantities of CO2 for which we need
to have a sufficiently large aquifer with high reservoir thickness, porosity and permeability
but lower reservoir compressibility in order to keep the reservoir pressure below the fracture
pressure. The second part of thesis focuses on optimizing the amount of CO2 sequestered
into the saline aquifer which is said to be build on the elementary optimization of placement
of wells done by Joshi [40]. We try increasing the storage capacity of a potential site by
looking at different optimization parameters as listed below.
 Optimization of injection wells,
 Optimization of injection flow-rate,
 Optimization of reservoir pressure using relief wells.
4.3.1 Optimization of Injection Wells
We are required to inject the maximum amount of CO2 within a relatively small area for
a short period of time but on doing so there is an exponential increase in reservoir pressure.
It is important to maintain reservoir pressure below the fracture pressure either by having
low injection rates or by increasing the injection period, both of which are undesirable.
One way to increase the sequestration capacity by maintaining the same injection
rate and injection time period is by using the multiple well injection strategy i .e. to drill as
many injection wells so as to cover the maximum available pore space within a short period
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of time. By using multiple well strategy, the injection rate per well can be maintained low
as the total CO2 injection rate is split equally among the various injection wells.
In the study, we try injecting CO2 for different well scenarios with the constraint of
maintaining the reservoir pressure under 90% of the fracture pressure during the injection
period. We used the reservoir parameters used in Berkeley Laboratory study as listed in
Table 3.1. The numbers of wells were systematically increased from 1 to 4 to 5 to 8 to 9
to 13 to 16 to 24 and finally to 25 keeping the distance between the wells close to 10km as
shown in Figure 4.7. It was safe to consider this distance as the rise in the plume of CO2
for each well system was found out to be within 5km [67].
It was observed that as we increase the number of wells, the amount of CO2 injection
capacity increases. This is because as we increase the number of wells we get more available
pore space leading to increase in the pore volume available for CO2 storage. But increasing
the number of wells may not be economically feasible, as each well cost around millions
of dollars. In order to optimize the number of wells, we look at variable scenarios of well
placement.
In the next approach we tried by optimizing the placement of wells randomly. This
was done by trial and error approach at first as seen in the Figure 4.8 and then was
perfected using the optimizing tool such as genetic algorithm. During this approach, we
found that symmetrical placed wells are the one which gives better result compared to
unsymmetrical pattern. We also found that when the injection area is kept constant the
injection capacity of the reservoir increases with the increase in the number of wells at first
but later it tapers down. This behavior is due to the fact that as we increase the number
of wells, we are able to access more and more available pore volume until there are no more
extra pore spaces.
The other major observation we found here was the maximum pressure build-up
occurs in the center of the reservoir as seen in the Figure 4.9. This happens due to
the superposition principle, which occurs due to the fact that in case of ideal reservoir
conditions a group of wells when looked upon from a distance will act in a similar way to
one large well placed at the center of the wells.
Next approach to optimize the well placement was to lower the pressure build-up in
the reservoir by removing the well in the middle. So, we optimized the wells from 5 to
4 wells, from 9 to 8 wells and from 25 to 24 wells. On decreasing the wells from 5 to 4,
we found that the wells did not interact that much and the pressure rises in the middle
well was not that high due to other wells. But on removing a well in case of 9 to 8 wells
and from 25 to 24 wells, it was seen that the amount of CO2 injected increased by around
3.5% in both the cases (3.8% and 3.2% respectively). Next approach we implemented was
49
Figure 4.7: Well placement for multiple wells (1 , 4 , 5 , 8 , 9 , 13 , 16 , 24 and 25 ).
by removing bunch of wells 16 to 12 wells and from 25 to 16 wells. It was seen that the
amount of CO2 injected increased by 3.6% to 5% respectively. Thus, by decreasing the
number of well we are able to increase the injection capacity of the reservoir.
Then, we tried optimizing by keeping the same number of well but changing the well
positions. It was observed that for increasing the sequestration capacity it was important
to keep the wells as far as possible to prevent pressure build-up. This can be achieved by
placing the well on the boundary of the injection area. For example, in case of 16 boundary
wells we found that we are able to sequester 5% more CO2 than for 25 wells. Similarly,
by placing the 8, 9, 16 or 25 wells at the boundary we get higher sequestration. There are
various other comparisons done as shown in the Table 4.7 to get the optimized wells and it
was noted that using 12 wells will give good optimization considering the cost but 24 wells
give maximum amount of sequestration about 0.96 Gt for a period of 50 years of injection.
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Figure 4.8: Optimization of well placement (for 10 wells).
Figure 4.9: Showing maximum pressure build up at the centre.
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Number of Wells Injection Capacity
(Gt CO2/ 50 years)
1 0.28
4 0.52
5 0.58
8 0.70
9 0.68
12 (Circular) 0.77
12 (Boundary) 0.84
16 0.81
16 (Boundary) 0.92
24 0.92
25 0.89
Table 4.7: Showing the increase in the amount CO2 injected for different types of well
arrangement.
4.3.2 Optimization of Injection Flow-rate
The next approach that we followed was using Continuous Cyclic CO2 injection (CCCI)
Method. On injecting CO2 continuously, we were able to inject about 7×106 m3/day. On
doing so we were able to reach the fracture pressure of 27MPa in about a year time period.
For this case study we tried injecting 6×106 m3/day CO2 for a certain period of time (10
years) and then as soon we reach the reservoir pressure of about 25MPa in a year time.
We then close the injection well and wait for the pressure to decrease to around the initial
reservoir pressure due to pressure dissipation. After 10 years we again start the injection
process. The overall total injection capacity of the reservoir is got by multiplying the
injection rate with the time period the well is actively injection which in this case is 30
years (10×3). The overall injection capacity without CCCI and with CCCI is about 0.25
Gt and 0.15 Gt respectively. It was noted that for a cyclic period of 10 years the using
CCCI is not beneficial.
Next we tried using CCCI with different cyclic time. It was seen that as we decrease
the cyclic time from 10 to 5 years, we were able to see an increase in the injection capacity,
but the overall injection was less than the injection capacity of the site when compared
to it being operated without CCCI. As there is no improvement in the CO2 sequestration
capacity of the site, we do not pursue this approach.
The next part of the thesis revolves around increasing the injection capacity of a
reservoir by optimizing the injection flow-rate through each well. The previous section
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(a) Analytical Model. (b) Numerical Model.
Figure 4.10: Comparison of Analytical model with Numerical simulations.
focused on optimization by increasing the number of wells and it concluded that the max-
imum pressure build-up happens at the center of the reservoir. Considering this fact, we
carry out simulations so as to inject more amount CO2 at the boundary and less at the
center to compensate for the pressure rise at the center.
(a) 9 wells. (b) 12 wells. (c) 25 wells.
Figure 4.11: Wells shown by red circles indicates wells with higher flow-rates.
Until now, simulations were carried out using the same injection flow-rate in each well
constant (For example, for 9 wells individual flow-rate will be Q/9). Now, we try changing
the flow-rates in different wells. For initial analysis, two flow-rates were considered Q1 and
Q2 where Q1 < Q2. Q2 was injected at the boundary wells (highlighted in red) as shown
in the Figure 4.11 and the other wells were injected with the flow-rate Q1.
Thus, we concluded that CO2 injection capacity of the reservoir increased when
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flow-rate was increased. This observation can be explained on ideal infinite acting reservoir
theory. As the reservoir is ideal and homogeneous, so the pressure build-up at the boundary
is symmetrical and is distributed evenly across the reservoir. So using variable flow-rate
technique, we prevent higher pressure build-up at the center thereby, keeping the reservoir
integrity intact. It was also noted that the effect of varying the flow rate on the injection
capacity of the reservoir is not very significant for higher number of wells.
The analysis shows that there is not a significant increase in the injection capacity of
the reservoir for higher number of wells as the sequestration difference is less than 2% for
these cases. This can be concluded that as we increase the number of wells it increases the
number of available pores inside the reservoir. As most of the pore volumes are already
saturated as we reach higher number of wells so varying the flow-rate does not have a
significant effect on the storage capacity as seen in the Table 4.8. Thus, changing the
flow-rates and maintaining different flow-rates for the entire injection wells is not that
economical and practical for a real case scenario.
Amount of CO2 injected (Gt CO2 for 50 years)
Constant Flow rate Variable Flow rate Percentage Increase
Wells
9 0.68 0.76 11.57
12 0.84 0.89 7.05
16 0.81 0.82 1.23
25 0.89 0.90 1.04
Table 4.8: Showing the amount of CO2 injected for different numbers of wells based on
flow-rates.
4.3.3 Optimization of reservoir pressure using relief wells
According to [68], it was suggested that one of the ways to maintain the reservoir pressure
below fracture pressure is by the placement of relief wells. As we are mainly focusing on
one of the ways to decrease the pressure inside the reservoir during CO2 sequestration in
saline aquifer, we optimized production wells so as to produce brine from the reservoir.
The approach is done by assuming Single Phase flow model as seen in Section 3.8.
The single phase model approach adopted in our work requires less input parame-
ters and less specialized technical knowledge as it considers brine production by a brine
reservoir similar to water production by a water well. The assumptions are very simple
54
Parameters Value
Porosity (φ) 0.12
Permeability (k) 100 mD
Thickness (h) 100 m
Viscosity (µ) 0.25 cP
Compressibility (cti) 3.3×10−6 1/psi
Gas Formation Volume Factor (Bg) 1.075 rB/SCF
Injection Rate (Q) 0.2 Gt/years
Time (t) 50 years
Radius of well (rw) 0.076 m
Initial Pressure (Pi 1740 psi
Fracture Pressure (Pf ) 4370 psi
Table 4.9: Parameters used for modeling Single-Phase Flow.
Figure 4.12: 3D Plot for reservoir pressure vs. Time for 50 years of Brine production.
and one dimensional radial flow for brine production is used. The model is assumed to
be homogeneous, infinite acting, isotropic and horizontal. Reservoir compressibility, thick-
ness, fluid viscosities are all kept constant. The well is centered in a cylindrical reservoir
with a wellbore radius rw. The effect of capillary, gravity and skin factor are neglected
for simplicity. We considered the model domain within a square area of 200 km × 200
km. The aquifer is assumed to be fully brine saturated and has isothermal conditions with
reservoir temperature at 450C. We have used general parameters as listed in Table 4.3.3
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to develop the analytical model for production of brine as seen in Figure 4.12. Now, we
extended our analytical model from a single well scenario to multiple wells scenario with
the help of superposition principle mentioned previously in Section 3.6.2.
(a) 4 wells. (b) 16 wells.
(c) 25 wells.
Figure 4.13: Wells showing the various injection well scenarios with one production well.
For this approach, we try by using one production well with various injecting wells
as show in the Table 4.10. The production well was placed in the center of the reservoir to
decrease the pressure build-up. It was seen that using production well along with injection
wells we see that there is an increase in the total CO2 storage capacity of the reservoir
(refer to Figure 4.14).
This was due to the fact that increase in the reservoir pressure was counter balanced
with the loss in the reservoir pressure due to brine production. This is similar to the way
the reservoir pressure decreases due to oil and gas production. As it was seen from the
Table 4.10 that having one production well goes a long way in decreasing the reservoir
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(a) 12 wells (Boundary). (b) 12 wells (Circular).
Figure 4.14: Well placement for 12 injection wells and 1 production well.
Comparison
Number of wells Amount of CO2 injected Percentage increase
Injection Production With Production Without production
well well well well
8 1 0.72 0.70 2.08
12 1 0.84 0.84 0.70
(Boundary)
12 1 0.78 0.76 2.71
(circle)
16 1 0.82 0.81 1.82
24 1 0.94 0.92 1.59
Table 4.10: Showing the comparison of amount of CO2 injected for different numbers of
wells with and without a production well.
pressure, the next part of the study focused on using multiple production wells along with
various injection well scenarios.
The placement of the production wells were selected in such a way that we had the
maximum effect on decreasing the reservoir pressure. As seen from the previous section,
the maximum pressure is in the middle so we try using 4 production wells in the center
seen in Figure 4.15.
Once the placement of the injection and productions wells were decided we start
the simulations keeping the same previous assumptions. Two different well case scenarios
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Figure 4.15: Placement of well: 20 injection well with 4 production well.
Comparison
Number of wells Amount of CO2 injected
Injection Production Gt CO2 for 50 yrs
well well
9 4 0.72
13 4 0.84
16 5 0.78
17 5 0.82
17 5 0.82
20 5 0.94
Table 4.11: Showing the comparison of amount of CO2 injected for different combination
of injection and production wells.
were seen, first one with 13 wells and other one with 20 wells. Table 4.11 shows how the
injection capacity increases for various placements of production well. It was also noticed
that the effect of having production wells is significantly greater if you have placed them
at the center when compared to near the boundary as seen in case of 17 wells (refer to
Figure 4.16). This is because the maximum pressure build up is at the center.
Thus, it was concluded that by placement of production well can increase the injec-
tion capacity of reservoir but not to a very large extent. Also, using production wells as
relief wells are not a very practical viable option, as the produced brine solution is envi-
58
(a) Production wells placed close to center. (b) Production wells placed close to boundary.
Figure 4.16: Well placement for 17 injection wells and 5 production well.
ronmentally non-friendly and leads to an added waste product which needs to be treated
and disposed.
4.4 Summary
In this chapter, we have gone through various case scenarios for single well and multiple
well modeling which are presently in action where numerical simulations were used for
modeling of pressure build-up during CO2 injection in saline formations. The need of
analytical modeling arises in problems during multiple modeling as numerical simulations
can be time consuming and complex process. In order to compare or benchmark the
applicability of these analytical model during multiple well modeling, the analytical and
numerical model for predicting reservoir pressure were compared. Consequently, it was
shown that the analytical model for multiple well scenarios are in complete agreement
with numerical simulations implying that analytical model is valid and can be further
optimized to increase the injection capacity.
In Section 4.3 we demonstrated how CO2 injection capacity can be increased signif-
icantly by increasing the number of wells, optimizing well placement, flow rates and also
by using relief wells to ease the pressure inside the reservoir due to CO2 injection. As we
mainly focused on saline aquifers the pressure in the ease can be decreased by placement
of brine production well.
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Chapter 5
Conclusion
As the world population is growing so is the global energy demand. Thus, to meet this
rise in demand, we will need a diverse, reliable and affordable fuel mix so as to enable
the economic growth and societal advancements. We can achieve this partly by using
technologies like CCS but to make CCS a viable option to reduce carbon footprint, we
have to look at ways to increase the injection capacity by screening potential reservoir
sites based upon its injection capacity for CO2 sequestration.
As a first step, we entailed the development of analytical model for prediction of
reservoir pressure during CO2 sequestration in saline aquifer for multiple well scenarios.
The analytical model was validated using numerical simulator. These approaches provide
information on the sensitivity of numerical simulations to the specific parameters. It was
noted that developed analytical model is not aiming to replace numerical simulator but
rather to be used for fast preliminary estimates and to optimize the process. Furthermore,
the analytical model was also applied to four reservoir field examples for the validation
purpose and has been compared with numerical simulations to get good agreement in
pressure behavior inside the reservoir.
After modeling, we demonstrated that it can also be used for performing optimization
to maximize the injection capacity. The optimization methodology helps to predict the
maximum amount of CO2 that can be injected based on number of wells and the cost
associated with each well. We also showed how CO2 injection capacity can be increased
significantly by increasing the number of wells, varying injection cyclic time and injection
flow-rate. In addition, we demonstrated that the optimized model using brine production
well can decrease the pressure build-up near the injection well and can quite increase the
sequestration capacity in saline formations.
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5.1 Future work
The methodology used in this work is quite general and it needs further investigation.
The following areas are suggested for future work:
1. The proposed analytical model for predicting the pressure is for vertical wells. Further
studies can be performed to investigate the BHP of CO2 in saline formations for
horizontal wells which are currently in practice.
2. Creating optimization algorithms using proposed approach. The algorithms should
allow handling large number of possible realizations which are function on number
of wells, their placement and flow rates of injection.
3. Identifying design patterns which increase storage capacity, and how these patterns
depend on particular reservoir properties.
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